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Abstract  
Among various CO2 injection strategies, CO2/brine surface dissolution is one of the most promising techniques for 
optimizing injectivity, pressure management, storage efficiency and storage security. Like other storage schemes, 
the feasibility of large scale implementation strongly depends on the injectivity, which could be limited by the 
prohibition of fracture initiation. In this work, we calculated the maximum safe injection rate for surface dissolution 
with consideration of the induced thermoelastic stress during operation. Impact of wells interference is also analysed 
in field-scale application. Some measures are proposed to reduce limitations on injectivity.  
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1. Introduction 
Geological sequestration of CO2 in deep saline aquifer is one feasible option that reduces the emission of 
greenhouse gases in sufficient volume [1]. The primary concern about geological sequestration is to safely retain 
CO2 in the storage formation over a long span of geological time. Among various CO2 injection strategies, 
CO2/brine surface dissolution is perceived as one of the most promising techniques to achieve storage objective [2-
5]. CO2/brine surface dissolution has advantages over standard CO2 injection approach in its significant reduction of 
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storage risks associated with buoyant CO2 leakage and aquifer pressurization. Also compared with other brine-
extraction based strategies [6, 7], surface dissolution eliminates the problem of brine disposal.  
The operation process of CO2/brine surface dissolution strategy 
mainly involves brine extraction from formation, surface transport of 
brine, mixing of brine and capture CO2, and injection of CO2-
saturated brine into storage formation (Figure 1). Surface dissolution 
emphasizes a total dissolving of captured CO2 into extracted brine to 
form CO2-saturated brine, a single phase fluid that is slightly denser 
than the residual brine, which drives the injected fluid downward to 
avoid escape of CO2 out of target formation.  
The feasibility of large scale implementation of any scheme for 
geologic storage of CO2 strongly depends on the injectivity. This is 
because an important operational constraint could be the prohibition          
of fracture initiation at injection wells during injection [8]. Jain and 
Bryant [9] established a line-drive pattern pressure field to calculate 
the injection rate for surface dissolution based on optimization with 
respect to total cost. Their constraint on injection rate is via the 
limitation of bottomhole injection pressure below the normal fracture 
gradient, which is 0.7 psi/ft, but ignored a key limiting factor on 
injection rate, namely the thermoelastic stress induced by injecting 
cool fluid into a warm reservoir. If the bottomhole temperature of injected CO2-saturated brine is much lower than 
the formation temperature, the induced thermoelastic stress lowers the tangential stress in the reservoir and thus has 
a potential to initiate tensile fracture at the injector at injection pressures smaller than nominal fracture pressure. 
Thus incidental losses of enthalpy from the extracted brine are a potential concern; schemes that extract geothermal 
energy from the brine [10] before reinjection are likely to induce large thermoelastic stress.    
We combine heat transfer, fluid flow and geomechanics to calculate the maximum allowable injection rate of 
CO2 for a surface dissolution storage process in homogeneous aquifer formation. A transient heat transmission 
model [11] accounts for the entire loop of the brine extraction/CO2 mixing/brine injection process. The model is 
applied to predict the temperature difference between injected fluid and formation at the bottomhole of injection 
well. Two methods for computing bottomhole injection pressures are compared, one assuming the number of wells 
is so large that a unit cell can be used, and the other explicitly accounting for all wells using superposition. We also 
conduct studies on impact of wells placement to find the optimal well configuration for surface dissolution. 
2. Model Description 
2.1. Fracture initiation 
Initiation of formation tensile fracture requires that the effective tangential stress must exceed the formation 
tensile strength. For permeable fluid, the derived fracture initiation pressure, namely formation breakdown pressure 
is given as 
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In equation (1), ܵ௛௠௜௡ and ܵு௠௔௫ are minimum and maximum horizontal stresses,ߪௌ  is the tensile strength of 
formation, ଴ܲ is formation pore pressure, ߙ is Biot poroelastic parameter, ɋis Poisson’s ratio, ȟߪ் is the induced 
thermoelastic stress, which can be expressed as 
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In the above equation (2), ȟܶis the temperature difference between injected fluid and formation at bottomhole, 
which is the only controllable variable. Other formation mechanical parameters, like coefficient of thermal 
Fig. 1. Schematic of surface dissolution process. 
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expansionߙ் , Young’s modulus ܧ and Poisson’s ratioɋ, are assumed to be constants for certain type of formation.  
       From equation (1), formation breakdown pressure could only be a function of formation depth if thermoelastic 
stress was not considered, but it is reduced by the induced thermoelastic stress and its magnitude strongly depends 
on the temperature difference ȟܶ between injected fluid and formation at bottomhole. This reduction of formation 
breakdown pressure directly lowers allowable injection pressure, thus a smaller safe injection rate would be required 
to avoid fracture initiation.  
2.2. Heat transfer 
The temperature distribution along the entire loop of CO2/brine surface dissolution process follows the basic 
elements of the flow process: extracted brine i) cools within the production well on its way to surface; ii) loses heat 
to environment during surface transport and mixing with cold captured CO2 further decreases temperature, and iii) 
exchanges heat with earth formations as it moves down the injection wellbore. The net result of interest here is that a 
temperature difference could be introduced between formation and injected fluid at bottomhole of injection well. A 
classic temperature prediction model proposed by Ramey [11] is used to estimate temperature of single-phase 
injected fluid along the wellbore. Assume a steady-state heat transfer from inner tubing to outer casing and transient 
radial heat conduction from casing to surrounding formation. Combine these two heat transmission processes, heat 
conduction rate from tubing to the formation along the wellbore is given as 
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In equation (3), ௙ܶ is the temperature of injected fluid, ௘ܶ is the temperature of surrounding formation,݇ is the earth 
thermal conductivity, ݎis inner radius of tubing, ܷ is the overall heat transfer coefficient, ሶ݉  is injection rate, and 
݂ሺݐሻ is a time function used to provide engineering accuracy for transient heat conduction. Ignoring radial boundary 
effect on heat conduction, ݂ሺݐሻ can be estimated for a line source radial heat conduction after a long period as 
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In which ݎଶ is inner radius of casing, ߙis thermal diffusivity of earth, and ݐ is the injection period. Assuming the 
injected fluid is incompressible single-phase liquid, we can solve total energy balance of flowing fluid and obtain 
the expression of fluid temperature as a function of depth and time 
/
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In the above equation, ௦ܶǡ௪௛is wellhead temperature of formation, ௙ܶǡ௪௛ is wellhead temperature of injected liquid, 
ܩis geothermal gradient. We neglect the thermal resistance of tubing and casing (ܷ is assumed infinite), then the 
governing heat transmission step is thermal conduction in earth. Therefore ܣ is defined as 
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Wellhead temperature of injected liquid ௙ܶǡ௪௛ is calculated from flow path starting from production well. 
Wellhead temperature of extracted brine at production well is derived as 
/
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In equation (7), ௦ܶǡ௕௛is fluid temperature at bottomhole of production well, ݖ௕௛ is storage formation depth. Taking 
the pipeline section as a heat exchanger, the below equation can be used to compute the bulk temperature of fluid 
along a pipe with a uniform wall temperature for either laminar or turbulent flow [12] 
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In which, ௕ܶǡ௜௡and ௕ܶǡ௢௨௧ are the temperature at pipe inlet and outlet respectively, ௪ܶ is the temperature of the pipe 
wall, h  is the overall heat transfer coefficient, ܥ௣is the specific heat capacity. 
Flowing fluid at outlet of pipeline is mixed with captured CO2 in mixing tank. Final wellhead temperature of 
injected CO2-saturated brine is obtained by using energy balance and neglecting the enthalpy of dissolution: 
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Combining temperature equations (5), (7), (8) and (9), temperature difference between injected fluid and 
formation is obtained as a function of depth and time  
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2.3. Fluid flow dynamics 
An appropriate injectivity equation is required to calculate fluid injection pressure and the maximum allowable 
injection rate of CO2-saturated brine under the constraint of formation breakdown pressure. Unit cell method [9] was 
proposed by establishing a line drive pattern pressure field and divided the storage area into repeated unit cells, 
which combined radial flow near the injectors and producers and linear flow between radial extents. For steady state 
incompressible fluid between an injector/extractor, the derived injectivity equation is  
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In which ௜ܲ  is the injection pressure, ݍ  is volumetric flow rate of injected fluid, ݇  and ݄  are permeability and 
thickness of storage reservoir respectively, H is the spacing distance between injectors, D is the spacing distance 
between injectors and extractors, and ݎ௪ is wellbore radius.  
Unit cell method is acceptable under the assumption of infinite number of wells that allows us to neglect the 
effect of wells interference. However, a finite number of wells would satisfy the total CO2 storage target and under 
this circumstance wells interference is significant. A more realistic approach is using superposition principle to 
calculate the bottomhole pressure of each well, as well as the pressure distribution of the whole storage reservoir 
[13].  Superposition principle is expressed as 
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In equations (12) and (13), ௪ܲ is the pressure at each reference well, ௘ܲ is the boundary pressure, which equals to 
hydrostatic pressure in this study. The equations above give the pressure buildup or drop at each reference well 
under the existence of wells 1, 2, 3,..., n. ݎ௡ is the distance between nth well and the reference well. 
2.4. Calculation of  maximum safe injection rate 
A large fluid injection rate will result in high bottomhole pressure (BHP) at injection well, which could initiate 
fracture when BHP exceeds formation breakdown pressure. For unit cell method, BHP at all injectors are the same. 
While when using superposition principle, the highest BHP should be found to compare with formation breakdown 
pressure.  
 For field-scale application of CO2/brine surface dissolution, large number of wells is required to satisfy CO2 
storage target. Pressure distribution in storage area is determined by fluid injection rate and well count. Formation 
breakdown pressure ௕ܲௗ also depends on fluid injection rate as the induced temperature difference between injected 
fluid and formation is a function of injection rate. Thus, to calculate the maximum allowable injection rate of CO2-
saturated brine, we use an iteration by Matlab to minimize the difference between bottomhole pressure and 
formation breakdown pressure.   
3. Thermal constraints on safe injection rate 
In this section we use a case study to indicate the effect of thermoelastic stress and wells interference on safe 
injection rate of field-scale CO2/brine surface dissolution. Important parameters used in this case study are listed in 
Table 1. Here we regard the fluid properties of CO2-saturated brine are the same as the residual brine in the reservoir 
for simplicity. An improved solubility model [14] is applied to estimate CO2 solubility in aqueous solution at certain 
storage depth. Total captured CO2 is set at 104 ton/d for a typical 500 MW coal fired power plant. We keep 
extraction rate of brine equal to injection rate of CO2-saturated brine to balance aquifer pressure of storage reservoir. 
 
Table. 1. Fluid and reservoir properties in case study 
Fluid Properties (brine)  
  viscosity 1.0 cp 
  density 1000 kg/m3 
  specific heat capacity  
  specific heat capacity (CO2) 
4164 J/K/kg 
2500 J/K/kg 
Reservoir Properties  
  salinity gradient 50 ppm/m 
  geothermal gradient 30 oC/km 
  pore pressure gradient 
  permeability 
10 MPa/km 
100 md 
  porosity 0.12 
 thickness 300 m 
 wellbore radius 0.1 m 
 skin factor 0 
 spacing between injector/producer pairs 
 spacing between injector/injector pairs 
 surface temperature of formation 
        Young’s modulus 
        Poisson’s ratio 
        coefficient of thermal expansion 
        Biot effective stress coefficient 
        rock tensile stress 
1600 m 
900 m 
20 oC 
20 GPa 
0.19 
ͳͲିହ oC-1 
0.7 
4 MPa 
3.1. Bottomhole temperature difference  
Temperature difference between injected CO2-saturated brine and formation at bottomhole of injection well is the 
only controllable factor to determine the induced thermoelastic stress. According to equation (10), T'  is a function 
of storage depth and injection period. Figure 2 shows the temperature difference profile with change of storage 
formation depth and time. For a certain injection rate, which is assumed to be 1000 ton/d, T'  increases with fluid 
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storage depth but changes little under different time period. It suggests a larger geothermal gradient compared with 
increase rate of fluid temperature with depth.  
Neglecting the minor impact of injection time, T'  is primarily affected by injection rate. Figure 3 shows that for 
any given storage depth, T'  firstly increases with injection rate and then decreases after the peak value occurs. 
Largest induced thermoelastic stress occurs at the maximum T'  point, which corresponds to the lowest injection 
pressure at which formation breakdown will occur and suggests the worst operational injection rate for CO2 storage. 
The peak exists because at very low injection/extraction rate, injected/extracted fluid has fast heat transfer with 
surrounding formations, thus T'  is relatively small; at very high injection/extraction rate, extracted brine has little 
heat loss along the wellbore of production well and pipeline on the surface, therefore T'  is high, which leads to a 
smaller temperature difference at the bottomhole of injection well. As T'  increases with storage depth, we can 
observe that its maximum value increases with storage depth.  
 
 
 
 
 
 
 
 
 
 
 
Fig. 2. Bottomhole temperature difference between 
injected fluid and formation with storage formation 
depth under different injection period (injection 
rate=1000 ton/d). 
 
Fig. 3. Bottomhole temperature difference with 
injection rates under different storage depth (t=75 
day). 
 
T'  is the results of three fluid heat transfer processes in flow line: producer wellbore heat loss, surface heat loss 
and mixing of extracted brine with cold captured CO2 gas. Because the mass of mixed CO2 gas is much smaller than 
that of extracted brine, temperature of mixture at the outlet of mixing tank is nearly the same as temperature of brine 
at the inlet. Therefore the first two heat loss processes dominate the value of T' .  
Results show that surface heat loss dominates T'  at high injection rate, thus insulation of surface pipeline could 
effectively reduce the induced thermoelastic stress. Assume that storage depth is 600 m and injection/extraction rate 
is 3300 ton/d, Figure 4 illustrate the whole temperature profile of fluid along the flow line. Black line in Figure 4 is 
formation temperature profile with depth. Solid and dashed blue lines represent the temperature distribution of 
extracted fluid and injected fluid along the wellbore of production well and injection well, respectively. Producer 
heat loss of fluid at high injection rate is neglected. Under this circumstance, insulation of surface pipeline (red 
dashed line) decreases T'  (difference between solid and dashed line) from 6.8 oC to 0.3 oC, which almost eliminates 
the thermoelastic constraints on safe injection rate.   
 
 
 
 
 
 
 
 
 
 
 
Fig. 4. Surface heat loss dominates T' at high 
injection rate. Storage depth is 600 m, injection period 
is 75 days, and injection/extraction rate is assumed to 
be 3300 ton/d.  
Fig. 5. Producer wellbore heat loss is important to 
determine T'  at low injection rate.  Storage depth 
is 600 m, injection period is 75 days, and 
injection/extraction rate is assumed to be 50 ton/d. 
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While at very low injection rate, producer wellbore heat loss is important to determine T' . Reducing injection 
rate to 50 ton/d, a larger T'  is calculated compared with that from 3300 ton/d. Even insulating the surface pipeline 
(dashed red line), a big T'  that equals to 7.3 oC still exist at the 
bottomhole of injection well. 
Thresholds of injection/extraction rate for negligible producer 
wellbore heat loss can be obtained for certain injection depth. 
Criteria for calculating thresholds is that the difference between 
bottomhole temperature (BHT) and wellhead temperature 
(WHT) in production well is smaller than 0.5 oC. At storage 
depth at 600 m, 1000 m, and 2000 m, resulted thresholds of 
injection/extraction rate are 900 ton/d, 2500 ton/d and 10000 
ton/d, respectively. Increasing of thresholds of injection 
/extraction rate with storage depth is because that more heat is 
transferred from extracted brine to surrounding formation along 
longer wellbore length, therefore a larger extraction rate is 
required to satisfy thresholds criteria. 
3.2. Effect of induced thermoelastic stress on safe injection rate 
A large injection rate is required to satisfy the total CO2 
storage target in order to achieve the success of field-scale 
CO2/brine surface dissolution. However, a key constraint on 
injection rate could be the prohibition of fracture initiation under 
some regulations, which means the injection pressure could not 
exceed formation breakdown pressure.  
If the induced thermoelastic stress is not taken into account 
as a constraint on safe injection rate of CO2-saturated brine, 
formation breakdown pressure is only a function of depth, 
which is 10.57 MPa for a storage depth at 600 m (2000 ft), 
shown as a constant (black line) in Figure 7. Its intersection with 
bottomhole pressure (green line), which is calculated by using 
unit cell method, provides us a nominal safe injection rate 7200 
ton/d in this case study. But in reality, the actual formation 
breakdown pressure (blue line), expressed asࡼ࢈ࢊࢀ  in Figure 7, 
serves as true constraint on injection pressure and lowers the 
safe injection rate from 7200 ton/d to 5700 ton/d. Therefore, the 
maximum operating injection rate for this case is 5700 ton/d if 
wells interference is ignored. 
 
Fig. 7. Reduction of safe injection rate due to induced 
thermoelastic stress. Black line is the nominal formation 
breakdown pressure without thermoelastic stress, blue 
line is the actual formation breakdown pressure, and 
green line represents the bottomhole pressure (injection 
pressure). Intersection of green line and black line is the 
nominal safe injection rate. True safe injection rate is the 
intersection of green line and blue line, which is smaller 
than the nominal safe injection rate.  
3.3. Effect of wells interference on safe injection rate 
A simple method to calculate the bottomhole pressure is using unit cell approach as it assumes that pressure 
profile between an injector and an extractor is the same for all well pairs in the storage area. However, the 
bottomhole pressure of each well is affected by the injection/extraction of other wells in the same storage aquifer, 
which is caused by wells interference. Also, storage boundary conditions and wells placement could have significant 
impact on the whole pressure profile in the storage area.  
We use superposition principle to take account of injection/extraction of each well needed for CO2 storage. 
Injection/extraction rate is assumed to be the same for all injection/extraction wells. Number of wells required to 
satisfy the total CO2 storage target could be obtained from assumed injection/extraction rate, then the whole pressure 
Fig. 6. Thresholds of injection rates for negligible producer 
wellbore heat loss under different storage depth. 
101 102 103 104 105
2
4
6
8
10
12
14
16
18
Injection Rate (ton/d)
Pr
es
su
re
 
(M
Pa
)
 
 
Pbd
Pbd, t=75 d
T
BHP
unit cell
101 102 103 104 105
0
10
20
30
40
50
60
Injection Rate (ton/d)
Pr
od
uc
tio
n 
W
ell
:B
HT
-
W
HT
 
(o C
)
 
 
z=600 m
z=1000 m
z=2000 m
 Yun Wu and Steven L. Bryant /  Energy Procedia  63 ( 2014 )  4850 – 4860 4857
distribution in the storage reservoir could be calculated based on certain wells placement and other formation and 
fluid parameters. In order to avoid fracture initiation, the maximum bottomhole pressure in the reservoir should not 
greater than the formation breakdown pressure. Maximum safe 
injection rate could be obtained by minimizing the difference 
between these two pressure values.  
The maximum bottomhole pressure (red line) calculated by 
using superposition principle is larger than bottomhole pressure 
(green line) obtained by unit cell method, which is shown in 
Figure 8. When injection rate is very low (about 10 ton/d), two 
pressure values are nearly the same, it is because well count is 
large at low injection rate and under this circumstance unit cell 
method is acceptable.  
Wells interference effect moves the intersections to left side, 
thus it reduces the nominal safe injection rate from 7200 ton/d 
to 3300 ton/d and lowers the real safe injection rate from 5700 
ton/d to 1800 ton/d. Thus the effect of wells interference could 
not be neglected in calculating the safe operational injection rate 
for CO2/brine surface dissolution strategy. 
4. Measures to Increase Safe Injection Rate 
Constraints like induced thermoelastic stress and wells interference limit safe injection rate of CO2-saturated 
brine and reduce the feasibility of CO2/brine surface dissolution strategy as the total cost would be higher. However, 
some efficient measures could be taken to increase safe injection rate. As the key criterion on injection pressure is 
that injection pressure should not exceed formation breakdown pressure, we consider approaches from both sides: 
higher formation breakdown pressure and lower BHP of injection well with a high injection rate.  
4.1. Lower the induced thermoelastic stress 
A higher formation breakdown pressure, which can be obtained by reducing the induced thermoelastic stress, 
increases the allowable injection pressure that leads to a larger safe injection rate. For a given formation, lowering 
bottomhole temperature difference T'  is the only way to reduce the induced thermoelastic stress.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Fig. 8. Reduction of safe injection rate due to wells 
interference. Red line is the maximum bottomhole 
pressure of the whole storage aquifer, which moves the 
intersection to the left and further lowers safe injection 
rate. Storage depth is assumed to be 600 m. 
Fig. 9. Insulation of surface pipeline eliminates 
thermal constraints and increases safe injection rate 
from 1800 ton/d to 3300 ton/d. Storage depth is 600 m 
and injection period is 75 days.  
 
Fig. 10. Preheating of injected fluid at the wellhead 
of injection well increases formation breakdown 
pressure and increases safe injection rate from 
1800 ton/d to 2800 ton/d. Storage depth is 600 m 
and injection period is 75 days. 
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Two methods can be used to achieve a lower T' at the bottomhole of injection well: insulation of surface pipeline 
and preheating injected fluid at the wellhead of injection well. Figure 9 indicates that insulation of surface pipeline 
could eliminates the thermoelastic constraints, which makes the nominal safe injection rate 3300 ton/d in Figure 8 be 
applicable. As shown in Figure 10, preheating injected fluid at the wellhead of injection well to 35 oC, which is only 
4 oC higher than that in non-preheating case, increases safe injection rate greatly from 1800 ton/d to 2800 ton/d. 
4.2. Lower BHP of injection well 
If formation breakdown pressure does not change, another method to increase safe injection rate is to lower BHP 
of injection well by adjusting wells placement. Pressure distribution of the storage aquifer strongly depends on wells 
placement, thus changing wells arrangement will have an impact on maximum bottomhole pressure and further 
affect safe injection rate. The default wells placement, which is used in all above analysis, is illustrated in Figure 11: 
the most left side is an injector column, and for each row are alternating producer and injector columns, totoal 136 
wells that include 17 rows and 8 columns. The maximum BHP occures in the middle row of the storage field, which 
is plotted in Figure 13. and for 3300 ton/d injection rate, the maximum BHP at the left side exceeds the formation 
breakdown pressure 9.4 MPa (Figure 13). Pressure drop from most left column of injectors to most right producers 
suggests a flow path outside of the wells area. 
A new column of wells is added to the leftmost side in order to balance pressure distribution with the storage 
area. Figure 12 provides a new pressure profile under wells placement scheme 2. The maximum BHP still occurs in 
the middle well row, and from Figure 13, we can observe that all bottomhole pressures in the middle row of Figure 
12 are below formation breakdown pressure, which means 3300 ton/d becomes operable in application of surface 
dissolution strategy. Actually, the maximum safe injection rate reaches 4800 ton/d, almost 2.5 times larger than 
initial 1800 ton/d. indicating that changing wells placement could increase safe injection rate significantly. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Fig. 13. Change wells placement lowers maximum BHP below formation breakdown pressure. 
Fig. 11. Wells placement scheme 1: one injector 
column lies in the most left side, followed by 
alternating producer and injector columns to the right 
side. Maximum BHP of each column occurs in the 
middle row.   
 
Fig. 12. Wells placement scheme 2: add a new 
producer column (in blue box) at the left side to 
balance pressure distribution in the storage aquifer. 
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4.3. Inject/extract fluid at deeper formation depth 
Formation breakdown pressure is affected by both storage 
depth and T'  at the bottomhole of injection well. Formation 
breakdown pressure increases with storage formation depth 
although the induced thermoelastic stress also is proportional to 
depth. In Figure 14, blue and red solid lines are safe injection rates 
calculated by unit cell method and superposition principle without 
considering thermoelastic constraints, and blue and red dashed 
lines are real safe injection rate calculated with concern of 
thermoelastic constraints.  
Results indicate that safe injection rate increases with storage 
formation depth, and unit cell method always estimates a larger 
safe injection rate compared to superposition approach. It suggests 
the importance of studying the effect of thermal constraints and 
wells interference on the application of CO2/brine surface 
dissolution strategy.   
5. Conclusion 
High injectivity is crucial for the feasibility of CO2/brine surface dissolution strategy because very large rates of 
brine injection are needed to achieve large rates of CO2 storage. As fracture initiation may be prohibited for a large 
scale application of CO2 storage project, we want to obtain the maximum possible injection rate of CO2-saturated 
brine without triggering a fracture. In this work, we quantified the induced thermoelastic stress and studied how it 
reduces the maximum safe injection rate. Impact of wells interference was also analyzed by comparing two 
approaches to calculate BHP of injection well. Results showed that the induced thermoelastic stress reduced safe 
injection rate to a half of nominal injection rate with superposition approach. Three measures were proposed to 
enhance safe injection rate: decrease bottomhole T' , adjust wells placement, and inject/extract fluid from a deeper 
formation depth.  
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